
 

 

Final Report 

Preliminary 
Assessment of 
Enhanced 
Geothermal 
Systems for Oil 
Sands Mining 
Operations 

 Canada's Oil Sands Innovation 
Alliance 

 
Prepared by 
Mark Droessler, PEng 
Jami de Pencier 

 
Reviewed by 
Kelly Piers, PEng 

Copyright © 2020 
Canada's Oil Sands Innovation Alliance 

February 2020 
C528 



 
 

Final Report - Preliminary Assessment of Enhanced Geothermal Systems for Oil Sands Mining Operations i 
C-FER File No. C528 

PROJECT TEAM 

Preliminary Feasibilty Assessment of Enhanced 
Geothermal Systems for Oil Sands Mining 

Operations 
C-FER Project:  C528 

Task/Deliverable Contributors Responsible Professional 

Project Management/Conclusions and 
Recommendations Mark Droessler, PEng Mark Droessler, PEng 

Project Reviewer Kelly Piers, PEng Kelly Piers, PEng 

Artificial Lift Consultation Brandon Curkan, PEng  

Completions Consultation Dale Friesen, PEng  

Sub-contractor, Modeling and 
Capital/Operational Cost Estimates Borealis GeoPower Inc.  

Sub-contractor, Modeling, Simulations 
and Sensitivity Analyses University of Alberta  

 

 

REVISION HISTORY 

Preliminary Feasibilty Assessment of Enhanced 
Geothermal Systems for Oil Sands Mining 

Operations 
C-FER Project:  C528 

Revision Date Description Prepared Reviewed Approved 

1 December 2019 Internal Draft MRD KDP -- 

2 December 2019 Draft MRD KDP -- 

3 February 2020 Final MRD -- KDP 

 

 



 
 

Final Report - Preliminary Assessment of Enhanced Geothermal Systems for Oil Sands Mining Operations ii 
C-FER File No. C528 

NOTICE  

1. This Report was prepared as an account of work conducted at C-FER Technologies (1999) Inc. 
("C-FER") on behalf of Canada's Oil Sands Innovation Alliance ("COSIA"). All reasonable efforts 
were made to ensure that the work conforms to accepted scientific, engineering and 
environmental practices, but C-FER makes no other representation and gives no other 
warranty with respect to the reliability, accuracy, validity or fitness of the information, analysis 
and conclusions contained in this Report.  Any and all implied or statutory warranties of 
merchantability or fitness for any purpose are expressly excluded.  Any use or interpretation 
of the information, analysis or conclusions contained in this Report is at COSIA's own risk.  
Reference herein to any specified commercial product, process or service by trade name, 
trademark, manufacturer or otherwise does not constitute or imply an endorsement or 
recommendation by C-FER.  

2. Pursuant to the terms of the Contract of Services agreement (COSIA Contract 
No. 20-GE0057-19-358-0) dated March 11, 2019, any confidential and proprietary information 
contained in this Report is owned solely by COSIA. 

3. Any authorized copies of this Report distributed to a third-party shall include an 
acknowledgement that the Report was prepared by C-FER and shall give appropriate credit to 
C-FER and the authors of the Report. 
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1. INTRODUCTION 

1.1 Background Information 

Oil sands mining and bitumen extraction processes require commercial scale (1,000 to 
10,000 m3/hr) hot water in the 50 to 90°C range. Currently, this hot water is produced indirectly 
through a combination of natural gas-fired boilers, cogeneration units, and process waste heat [1]. 
Alternative water heating methods that can replace or supplement conventional hot water 
production offers the opportunity to reduce natural gas usage and associated greenhouse gas 
(GHG) emissions in oil sands mining operations.  

With this goal in mind, the Greenhouse Gas (GHG) Environmental Priority Area (EPA) steering 
committee of Canada's Oil Sands Innovation Alliance ("COSIA") contracted C-FER Technologies 
(1999) Inc. ("C-FER") and the University of Alberta ("U of A") to conduct a preliminary feasibility 
assessment on the use of Enhanced Geothermal Systems (EGS) as a low carbon, hot water source. 
To assist with the EPA Led Study (EPALS) (interchangeably referred to as the "preliminary feasibility 
assessment"), C-FER subcontracted Borealis GeoPower Inc. ("Borealis") to provide cost estimates 
and provide technical advice related to geothermal drilling, completions and surface facilities. 

Conventional (hydrothermal) geothermal systems contain three naturally occurring elements: (1) a 
source of heat; (2) fluid to transport the heat; and, (3) pathways to conduct the fluid through the 
hot rock (i.e. fractures) [2]. In contrast, Hot Dry Rock (HDR) reservoirs contain a source of heat 
(i.e. hot rock) but have insufficient fluid and/or permeability to flow to surface. Accordingly, EGS 
is required to provide a combination of fluid injection and engineered reservoir to create suitable 
conditions for thermal energy production. A typical EGS is depicted in Figure 1. 
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Figure 1  Schematic of a Typical EGS Doublet 

As illustrated in Figure 1  Schematic of a Typical EGS Doublet, a typical EGS uses two wells (i.e. an 
EGS doublet), an injection and a production well, to access the hot dry rock. Since the rock 
generally has low natural permeability, hydraulic stimulation techniques are used to create a 
suitable reservoir (i.e. sufficient fluid contact with the rock and effective permeability) between the 
two wells. Water is then injected into the reservoir and heated by contact with the hot rock as it 
travels to the production well, where it is produced to surface. At surface, the hot water (or steam) 
is then used for direct-use heating applications or for power generation. For this project, the 
intention was to assess the feasibility to directly utilize the thermal energy of the hot water. 

It is anticipated that HDR represents roughly 90% of the geothermal power resource in the 
United States, with total electricity-generating resource potential of deep-EGS exceeding 
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3,000 GWe [3]. Similarly, EGS offers the potential for thermal energy production to be deployed 
for a variety of applications across Canada.   

Despite the vast potential of EGS for HDR applications, past projects have demonstrated several 
technical challenges which have limited commercial adoption of EGS. These challenges include 
drilling deep wells in crystalline basement rock, effectively stimulating new and existing fractures 
to create a reservoir with sufficient volume and flow potential, monitoring flows between the 
injection and production wells, and preventing fluid channelling in a localized region resulting in 
poor heat transfer from the rock to the fluid (i.e. "short-circuits"). In addition, seismicity induced 
by reservoir stimulation is a hazard that requires careful planning and monitoring to mitigate [4]. 
By transferring the knowledge and techniques that have been developed in Canada for thermal 
oil production of the oil sands and unconventional ("tight-oil") applications, several of the above 
challenges may be addressed to enable commercial EGS applications in Alberta. 

Using EGS in Canada's Oil Sands has been explored in the past. For example, an industry 
consortium called GeoPowering the Oil Sands ("GeoPOS") was initiated in 2006 with the aim to 
investigate the technical feasibility of employing geothermal energy for oil sands production and 
was supported by Suncor, Shell and Nexen. After it disbanded in 2008, there is limited publicly 
available information on the activities of this group; however, the idea was further investigated in 
more detail through the Helmholtz-Alberta Initiative ("HAI"); a collaboration between the 
Helmholtz Association of German Research Centers and the U of A. The results of the study 
showed that the hot water required at surface for processing in the Fort McMurray oil sands region 
could likely be obtained and be economically competitive with the use of natural gas heating [5]. 

1.2 Project Objectives 

Building upon previous studies, COSIA decided to assess the economic feasibility of EGS for 
supplying hot water for oil sands mining applications, including the impact of newer well 
configurations and technologies that have been developed for thermal Enhanced Oil Recovery 
(EOR) and unconventional oil and gas applications (e.g. horizontal wells, hydraulic fracturing, zonal 
isolation). 

Thus, the main objective of this EPALS was to perform a preliminary economic feasibility 
assessment on the use of EGS as a method of providing hot water to an oil sands mining site over 
a 30-year project life. Secondary objectives included assessing the effect of key input parameters 
on thermal energy production and economic feasibility, as well as the potential impact of new 
technologies and approaches. 

1.3 Work Scope 

This preliminary feasibility assessment involved several key steps, including: 
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• Conceptual design of two potential EGS scenarios; 

• Definition of input parameters; 

• Capital cost estimation; 

• Thermal energy production modeling; 

• Production sensitivity analysis; and 

• Economic feasibility assessment. 

The economic analysis of this EPALS was performed using Revision 1.05 of the COSIA Cost Benefit 
Analysis Tool (CCBA Tool) which is publicly available on COSIA's website [6]. Use of the CCBA Tool 
provided a set of input assumptions vetted by COSIA's members specifically for oil sands mining 
operations. Additional details and discussion regarding the CCBA Tool are provided in Section 5. 

1.4 Project Roles 

C-FER Technologies (1999) Inc. 

With over 30 years of research and development in the energy industry, C-FER assists geothermal 
companies with the development of challenging resources. By applying experience relating to 
thermal well design, artificial lift and completions technologies, C-FER helps clients with 
engineering analysis, well system design and equipment qualification for non-standard 
applications. 

For this EPA-led study, C-FER was responsible for project management, assessment of advanced 
completion technologies, stimulation costs, economic modeling, feasibility assessment, and 
reporting activities. 

Borealis GeoPower Inc. 

As a leading Canadian consultancy for geothermal energy, Borealis specializes in resource 
assessments and public reporting; with a focus on developing projects in geothermal energy and 
brine mining across Western and Northern Canada. Drawing from Borealis' knowledge and 
expertise gained through their collection of past consulting assignments, Borealis was 
sub-contracted to help develop well scenarios for evaluation, as well as costs for drilling, 
completion, surface equipment (including artificial lift), and commissioning activities.  

University of Alberta 

With extensive experience in geothermal heat delivery modeling and past reservoir work related 
to the technical feasibility of EGS in Northern Alberta, the U of A was responsible for providing 
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reservoir parameters representative of an oil sands mining site, modeling thermal energy 
production and performing a sensitivity analysis of key input parameters. 
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2. PROJECT INPUTS 

2.1 Surface/Mine Site Conditions 

For this preliminary feasibility assessment, the EGS project was assumed to be a "brownfield" 
application to an existing oil sands mining operation, providing the opportunity to utilize existing 
infrastructure including power and water supplies. Furthermore, an EGS doublet consisting of an 
injection well and a production well was assumed, enabling the scalability of results by including 
additional doublets. 

To minimize costs associated with surface piping, it was assumed that the two wells would be 
drilled from a pad, with the wellheads in close proximity. To obtain the desired reservoir well 
spacing, it was assumed that the drilling trajectory of one or both wells would be altered from 
vertical (i.e. deviated). For budgetary purposes, it was further assumed that 200 m of connection 
piping on the cold (injection) side and 400 m on the hot (production) side would be required to 
connect the wellheads to a central processing facility. 

Based on feedback from COSIA members, the minimum useful temperature of produced water, 
and the subsequent re-injection temperature, was identified as 50°C. However, a sensitivity case 
with an average surface water temperature of 13.5°C was also included in the analysis. 

2.2 Reservoir Characteristics 

Reservoir characteristics used for thermal energy production modeling and the subsequent 
analyses were provided by the U of A based on data available from past research (as referenced 
below), as well as unpublished research which is currently being conducted. The key reservoir 
inputs are summarized in Table 1. 
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Reservoir Characteristic Base Case Comments 

Geothermal Gradient 20°C/km 

Estimated by Pathak et al, 2013 [7]. 
 
Earlier studies estimated higher gradients; however, 
Majorowicz's studies are based on more recent 
information, including a 1.8 km deep well drilled near 
Fort McMurray known as the Hunt Well. 
 
A map of the estimated temperature at a 5 km depth in 
Northern Alberta is provided in Figure 2. 

Thermal Conductivity 2.65 W/m K 
Range of 2.26 to 2.75 W/m K estimated by Marjorowicz 
et al, 2014 [8] for Alberta basement rocks, which 
represents the current state of knowledge. 

Specific Heat Capacity 850 KJ/Kg K Range of 750 to 950 KJ/Kg K based on U of A data. 

Heat Flow 58 mW/m2 Range of 52 to 64 mW/m2 estimated by Majorowicz et 
al, 2014 [8]. 

Porosity 0.0145 Range of 0.001 to 0.0573 based on core plugs near Lake 
Athabasca measured by Banks and Harris, 2014 [9]. 

Permeability 1.677E19 m2 Base case of 1.677E19 m2 based on U of A data. 

Table 1  Key Reservoir Inputs for Thermal Energy Production Modeling 
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Figure 2  Expected Temperature at 5 km Depth in Northern Alberta [8] 

2.3 Reservoir Stimulation 

One of the key challenges in developing an effective EGS is stimulation of existing or creation of 
new fractures to provide adequate reservoir volume and permeability.   

Based on the available literature and lessons from past EGS projects, one clear takeaway was the 
importance of understanding the in-situ stresses within the reservoir to develop an appropriate 
stimulation approach. It has been shown that in-situ stresses can vary with depth, and that rocks 
may not fracture in predictable directions [3]. 

Past EGS projects have utilized two main stimulation approaches. The first is based on stimulating 
existing fracture networks that are naturally occurring in the HDR, commonly referred to as 
"hydroshearing". In a hydroshearing process, injection pressures below the least principal stress 
are applied to stimulate existing fractures to experience shear failure, or slip, and increase effective 
permeability. By sustaining injection pressures and rates, the stimulated reservoir volume can be 
gradually propagated outwards. A graphic representation of this process is provided in Figure 3. 
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Figure 3  Illustration of Hydroshearing Process [10] 

The second stimulation approach involves applying injection pressures in excess of the least 
principal stress to generate new hydraulic tensile fractures in the rock. This approach is similar to 
the techniques used in unconventional oil and gas applications to increase permeability and allow 
for recovery of tight oil and gas resources, where it is typically referred to as "hydraulic fracturing". 

While hydroshearing is generally expected to create distributed fractures in many directions, 
hydraulic tensile fractures are generally oriented perpendicular to the direction of least principal 
stress. As a result, the injection and production wells are ideally drilled in the approximate direction 
of least principal stress to allow for communication through these fracture planes. A visualization 
of these two concepts is provided in Figure 4 [11]. 

     

Figure 4  Hydroshearing (left) and Hydraulic Tensile Fracturing (right) Stimulation Concepts [11] 
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More detailed information regarding these stimulation approaches, including a discussion of past 
EGS project results and recommendations for future projects, was provided by Jung 2013 [11].   

As no wells have been drilled in the Fort McMurray area at depths required to asses the in-situ 
stress regime, the information necessary to assess the optimal stimulation approach is unavailable. 
Therefore, this preliminary assessment considered the potential for both stimulation approaches 
with both vertical and horizontal well orientations.  

One of the input parameters required for thermal energy production modeling was the aperture 
of the primary fracture connecting to each wellbore. A brief literature review showed that fracture 
apertures may typically range between 0.1 to 1.5 mm, except where faults are present [12, 13], 
with similar results estimated from the Fenton Hill EGS project [14]. Having performed a similar 
literature review, Hofmann, 2015 [15] performed fracture modeling based on a 0.5 mm fracture 
aperture for his investigation of using EGS to supply energy to oil sands operations. For this 
preliminary assessment, a range of fracture apertures between 0.1 mm and 1.0 mm was used. 

2.4 Input Summary and Analysis Cases 

A summary of the reservoir and well design inputs used for subsequent thermal energy production 
modeling are summarized in Table 2. 

Input Parameter 
Sensitivity Cases 

Conservative Intermediate Optimistic Other 

Pr
od

uc
tio

n 

Geothermal gradient, °C/km 15 20 25 30 

Fracture aperture, mm 0.1 0.5 1.0   

Fracture spacing, m (# of fractures) 260 (6) 130 (12) 65 (24)  

Well spacing, m 200 350 500   

Injection temperature, °C 50 50 50 13.5 

Ec
on

om
ic

 

Average depth, m 3,500 4,500 5,500   

Injection rate, kg/s 50 100 200   

Operating time, years  30 30 30    

Table 2  Reservoir and Well Design Inputs for Thermal Energy Production Modeling 

The parameters were broadly grouped into two main categories: (1) production parameters, which 
were considered a function of reservoir characteristics and stimulation results (which are uncertain 
at this preliminary stage); and, (2) economic parameters, which could be designed for according 
to a cost-benefit relationship and controlled with some level of certainty. 
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In addition, the parameters were grouped into Conservative, Intermediate and Optimistic Cases, 
which were intended to loosely represent the expected probability of achieving or realising those 
input parameters in an EGS pilot project. The input parameters under the Other Case were 
included to assess the sensitivity of the production results to other situations, such as a more 
favourable geothermal gradient or a change in surface process to inject surface water at an 
average temperature of 13.5°C. 

To focus the analysis, an initial Base Case was selected based on the Intermediate Case for all 
production parameters, and the Optimistic Case for the economic parameters (highlighted in 
green in Table 2). This case was considered a reasonably likely case for implementation and is 
referred to as the Base Case throughout this preliminary assessment. 

2.5 Well Scenarios 

Based on the reservoir stimulation considerations outlined Section 2.3, two well scenarios were 
proposed for consideration, each consisting of a single well pair (i.e. a doublet) with an injection 
and a production well. The scenarios included a "conventional EGS" doublet with vertical 
(or near-vertical) wells and open-hole completions, defined as Scenario 1, and a horizontal 
(or deviated) doublet with advanced completion technology, defined as Scenario 2. 

These two scenarios were defined to cover a variety of factors, including well orientation and 
advanced completion technologies, and to provide a range of capital costs associated with the 
project. Although the conceptual well design for Scenario 2 is more complex and includes more 
costly completion technologies, these techniques and technologies are intended to maximize 
thermal energy recovery and minimize key project risks. A more detailed discussion of these risks 
is provided in Section 6.   

Both well scenarios were expected to be drilled to a true vertical depth (TVD) of 3.5 km to 5.5 km 
to access reservoir temperatures between 70°C and 110°C, assuming a geothermal gradient of 
20°C/km. Production zones were assumed to be 1,600 m in length to enable access to a relatively 
large reservoir volume. Base Case well spacing was assumed to be 350 m, based on past research 
performed by the U of A [15]. 

At this preliminary feasibility assessment stage, both well scenarios were assumed to be completed 
with 9-5/8” production casing for consistency between each of the analysis cases. C-FER 
performed preliminary pressure drop calculations to show that 9-5/8” casing was likely adequate 
for the lower flow rate cases (i.e. 100 kg/s or less); however, the frictional pressure drops and 
produced fluid velocities were quite high for the 200 kg/s flow rate case. It was anticipated that 
alternative completion designs and/or larger production casing should be considered at a FEED 
study stage if a 200 kg/s EGS design is targeted. 

The conceptual information for each scenario is provided in the following subsections. 
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2.5.1 Scenario 1 – Vertical EGS Doublet 

Scenario 1 was intended to represent a more traditional EGS concept with the simplest design and 
comparatively low capital costs. 

This scenario included vertical or slightly deviated wells consisting of one injector and one 
producer, both with open-hole completions. The expected stimulation approach for this scenario 
would be in line with the hydroshearing approach (i.e. a complex distributed fracture network). 
This approach would avoid challenges and costs related to open-hole zonal isolation to enable 
multi-stage fracturing and, depending on the expected stress regime in the reservoir, may also be 
more suitable for vertical wells. 

The production zone was assumed to be centered around the target TVD – for example, at a 
5.5 km target depth, the production zone would range from 4.7 km to 6.3 km. This maximum 
depth is intended to be in line with the deepest geothermal well drilled to date at 6.4 km [16], 
which was considered the practical limit of current technology. More information on the 6.4 km 
well drilled by ST1 Nordic Oy is available in Appendix A. 

A schematic of Scenario 1 with a target TVD of 5.5 km is presented in Figure 5. 

 

Figure 5  Scenario 1 Well Schematic at 5.5 km Target TVD [Source: Borealis] 
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2.5.2 Scenario 2 – Horizontal EGS Doublet with Advanced Completions 

Scenario 2 was intended to represent a more technologically advanced EGS concept that would 
utilize newer technologies currently being used in thermal EOR and unconventional oil and gas 
applications. This approach would have comparatively higher capital costs than Scenario 1. 

In this scenario, the wells were assumed to be cased and cemented and contain sliding sleeve type 
Ball-Activated Completions Systems (BACS) or Coiled-Tubing Activated Completions Systems 
(CTACS) such as those utilized in unconventional oil and gas applications (i.e. hydraulically 
fractured horizontal wells). Sliding sleeve systems have been increasingly considered for EGS 
applications [17]. Figure 6 shows an example of a CTACS sliding sleeve liner system developed by 
NCS Multistage LLC ("NCS"). 

 

Figure 6  Multistage Unlimited CTACS [26] 

Use of CTACS offers the capability to provide zonal isolation for multi-stage hydraulic fracturing 
and to control flow paths between injection and production wells with minimal surface activity; all 
hydraulic fracture stages can be completed on a single coiled-tubing trip. Future coiled-tubing 
interventions can perform multiple system adjustments in a single intervention, including opening 
and closing sleeves, performing cleanouts and additional hydraulic fracturing activities. Sleeves 
that can open and close multiple times also provide the potential to characterize flow through 
each stage and optimize heat transfer. It is envisioned that these enhanced capabilities will help 
to maximize thermal energy recovery and mitigate the risks associated with flow short-circuiting 
by allowing more control over where hydraulic fractures are placed, and which zones are used for 
injection and/or production in the reservoir. This flexibility is expected to therefore enhance the 
economic viability of EGS projects [17] on a risk-adjusted basis. 

As with Scenario 1, the doublet consisted of one injector and one producer well. However, the 
orientation of the wells was expected to be horizontal or deviated to match the anticipated 
direction of least principal stress; with a stimulation technique in line with the hydraulic tensile 
fracturing approach [11]. The production zone for the horizontal wells was assumed to consist of 
a full 1,600 m lateral at the target TVD, and an additional measured depth (MD) of approximately 
850 m was included to accommodate the build sections of the wells. The two laterals were 
assumed to be drilled parallel to each other in a horizontal plane. 
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A schematic of Scenario 2 with a target TVD of 5.5 km is presented in Figure 7. 

 

Figure 7  Scenario 2 Well Schematic at 5.5 km Target TVD [Source: Borealis] 

2.6 Capital Costs 

All capital cost estimates represent total installed costs (TIC) unless otherwise noted, as per the 
methodology contained within COSIA's CCBA Tool. In addition, an indirect cost factor of 8% was 
added to all TICs account for indirect project costs that were not directly estimated. 

2.6.1 Drilling and Completions 

Drilling and completion activities represent the largest portion of costs associated with developing 
an EGS project. To estimate these costs at a level of detail and accuracy appropriate for the 
preliminary feasibility assessment, comparable EGS projects recently completed (or currently in 
construction) were used as proxies. Borealis consulted with ST1 Nordic Oy ("ST1") regarding their 
current deep geothermal project in Otaniemi, Finland, and with Geothermal Engineering Ltd. 
("GEL") regarding the United Downs Deep Geothermal Power Project (UDDGP) in Cornwall, 
United Kingdom. 
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Project costs were provided for the UDDGP project; these costs were used to prepare estimates 
for drilling and completing EGS wells in Alberta. Assumptions included that the rock properties at 
the oil sands mining site would be similar to those at Cornwall (resulting in similar drilling time 
and costs), air and water hammer drilling would be used to drill vertical sections (to increase rate 
of penetration in hard rock), rotary drilling techniques would be used for any directional drilling 
required, and that a suitable drilling rig would be available in North America to drill these wells.  

Drilling and completion costs were estimated for both vertical and horizontal wells at depths of 
3.5 km, 4.5 km and 5.5 km, as summarized in Table 3  , and additional details are provided in 
Appendix A. 

Depth Vertical Horizontal 

3.5 km 36.0 million 48.9 million 

4.5 km 40.2 million 55.2 million 

5.5 km 45.9 million 60.9 million 

Table 3  Drilling and Completion Capital Cost Estimates (CAD$)[Source: Borealis] 

2.6.2 Surface Facilities 

Surface facility requirements and associated capital costs were estimated by Borealis based on 
their experience in the geothermal industry and input from Devon Koroluk of Imperial with respect 
to their Kearl Oil Sands Project. The major pieces of equipment required for this application 
included interconnection piping, valves, a heat exchanger, surface pumps, measurement 
equipment and chemical injection equipment for scaling and/or corrosion control. As the project 
was assumed to be a brownfield tie-in to an existing facility, only minimal costs were estimated 
for typical greenfield project costs such as site permitting, site access, etc. 

A summary of the major surface facility equipment requirements is provided in Table 4. Additional 
details are provided in Appendix A. 
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Facility Dimensions/Criteria Variance Between Cases 

Connection Piping 
200 m cold side, 400 m hot side, 

based on minimum drilling 
offset to facilities 

None; different diameters will 
have almost no impact on cost 

Pumps 
Only required to move 

subsurface fluid, Imperial cold 
loop under pressure 

Based on flow rate 

Power Lines 

Assumes required voltage 
pre-existing; 500 m offset from 

existing; costs will include 
controls 

None 

Heat Exchanger Recent studies on HX design; 
CAD$/KW capacity Based on flow rate 

Table 4  Major Surface Facility Equipment Requirements [Source: Borealis] 

The associated capital costs for the required surface facilities were estimated based on existing 
engineering studies, quotes and experience; these capital costs are summarized in Table 5. 

Temperature Flow: 50 kg/s Flow: 100 kg/s Flow: 200 kg/s 

70°C geothermal inlet 7.8 Million 9.4 Million 15.1 Million 

90°C geothermal inlet 7.1 Million 8.3 Million 12.5 Million 

110°C geothermal inlet 6.6 Million 7.5 Million 10.7 Million 

Table 5  Major Surface Facility Equipment Capital Costs (CAD$) [Source: Borealis] 

2.6.3 Artificial Lift 

In addition to the surface pump equipment costs estimated by Borealis as part of the surface 
facility costs, which were considered applicable to either surface injection pumps or Line Shaft 
Pumps (LSP) for production (details provided in Appendix A), the capital costs associated with an 
Electrical Submersible Pump (ESP) suitable for this application were investigated. 

LSP systems are predominantly used in pumped geothermal wells due to their high rate capacities 
and long run-life. However, ESPs are being increasingly considered and used in geothermal 
applications. Use of ESPs in geothermal production wells offer several advantages over LSPs, 
including increased setting depth, use in deviated wells, and reduced surface equipment. The main 
disadvantage is lower run-life (however the run-life of thermal ESP systems is steadily improving).   
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In thermal EOR applications, ESPs have been developed to operate at temperatures over 250°C, 
and in offshore applications ESPs in excess of 2,000 HP have been developed; however, ESPs that 
are capable of both high temperature and high flow rates have not been widely developed or 
deployed.[18]. For the parameters selected for this project, operating temperatures are within 
standard high temperature EPS operating conditions; however, the flow rates (and associated 
power output) represent the high end of current ESP capabilities.  

Given the high flow rate requirements, ESPs up to 2,800 HP with customized components were 
considered for this project. Excluding installation costs, the costs of suitable ESP systems were 
estimated to be CAD$0.7 million, CAD$1 million and CAD$2 million for 50 kg/s, 100 kg/s and 200 
kg/s flow rates, respectively, courtesy of Baker Hughes Canada. With higher TICs for ESPs relative 
to LSPs, it was decided to use the TICs associated with the surface-driven pumps for the 
preliminary economic analysis. This assumes that sufficient permeability will be established 
between the wells through stimulation, and that pressure losses through the wells and reservoir 
will be low enough that the fluid level in the production well will be sufficiently close to surface to 
allow for a LSP to be used (a limit of 500 m fluid was assumed). 

It is acknowledged that a combination of injection and production pumps may be required 
depending on the fluid level in the production well. If ESPs are deemed necessary (or beneficial), 
the capital and operating costs for artificial lift (AL) may increase; however, as the AL capital costs 
are a relatively small component of the total capital costs, it is expected that AL requirements 
would be confirmed along with a detailed well design during a more detailed feasibility study or 
FEED study. 

2.6.4 Advanced Completions 

Application of CTACS sliding-sleeve liner technology to this EGS project was discussed with 
NCS Multistage. For relatively low flow rates (i.e. 50 and 100 kg/s), an existing 5-1/2 in liner system 
could be adapted with minimal Research and Development (R&D) cost. However, to achieve flow 
rates of 200 kg/s as considered for this project, a suitable liner system design would need to be 
developed and qualified prior to implementation. NCS provided a preliminary R&D cost estimate 
of CAD$4 million to scale up an existing 5-1/2 in liner design to 9-5/8 in. This R&D cost was 
included for all 200 kg/s cases considered in this preliminary feasibility assessment. 

The cost of the liner system itself, including installation and commissioning with an on-site NCS 
representative, was estimated to be approximately CAD$4 million for a 5-1/2 in liner system (for 
50 kg/s and 100 kg/s cases) and CAD$5 million for a 9-5/8 in liner system (for a 200 kg/s case). 
For the purpose of this assessment, Well Scenario 2 was assumed to include a CTACS 
sliding-sleeve liner system in both the injection and production wells. 
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2.6.5 Stimulation 

A range of stimulation costs for various EGS techniques are available from literature. The 
Massachusetts Institute of Technology report entitled The Future of Geothermal Energy estimated 
stimulation costs up to US$0.8 million per well [19]. A subsequent paper, Cost of Electricity from 
Enhanced Geothermal Systems, provided a range of stimulation costs between approximately 
US$0.8 million and US$1.6 million per well [20]. More recently, Cladouhos et al, 2018 [21] 
estimated the stimulations costs to be approximately US$2.7 million per well for a “super-hot EGS 
application” at the Newberry Deep Drilling Project (NDDP). (Note that all values were converted 
to the current Canadian Dollars conversion rate at the time this assessment was published). 

For comparison, an estimate for a typical 5-stage, slick water hydraulic fracturing operation in 
Western Canada with fracture face pressures up to 18,000 psi was provided by Iron Horse Energy 
Services ("IHES"). For this type of application, the cost was estimated to be approximately 
CAD$0.4 million, excluding certain indirect and third-party costs. 

Based on the range of costs, the uncertainty surrounding the application conditions, and the 
potential complexity of the operation, the high-end cost estimate of CAD$2.7 million per well was 
assumed. Assuming both injection and production wells will require stimulation, stimulation costs 
would total approximately CAD$5.3 million. This budget was assumed to be suitable for either 
hydroshearing or hydraulic fracturing techniques (including proppant, if necessary). 

2.7 Operating Costs 

For the purpose of this preliminary feasibility assessment, operating costs were assumed to be 4% 
of capital costs on an annual basis to account for operating labour, equipment maintenance, pump 
replacement and well servicing requirements. In addition, the power consumption for the pumps 
was included based on the CCBA Tool input assumption of CAD$68.00/MWh and continuous 
pump operation at maximum power and 60% pump efficiency.
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3. BASE CASE COST SUMMARY 

A summary of the TIC capital, indirect, and operating costs for the base case Scenario 1 is provided 
in Table 6. 

Scenario #1 
Major Components 

Costs (CAD$ 1,000s) 
Capital Indirect Operating (/yr) 

5,500 m vertical wells 45,900 3,690 1,984 
Surface facilities with pumps 10,700 860 462 
Stimulation 5,300 426 229 
Totals 61,900 4,976 2,675 

Table 6  Cost Summary for Base Case Scenario 1 

For Scenario 2, a summary of the TIC capital, indirect, and operating costs is provided in Table 7. 

Scenario #2 
Major Components 

Costs (CAD$ 1,000s) 
Capital Indirect Operating (/yr) 

5,500 m horizontal wells 60,900 4,896 2,632 
Surface facilities with pumps 10,700 860 462 
Stimulation 5,300 426 229 
Advanced completions 10,000 804 432 
Advanced completions R&D 4,000 322 173 
Totals 90,900 7,308 3,928 

Table 7  Cost Summary for Base Case Scenario 2 
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4. PRODUCTION MODELING 

4.1 Modeling Approach 

Numerical modeling was performed by the U of A to estimate the amount of thermal energy that 
could be produced by the EGS doublet based on the input parameters provided in Section 2.2.  
Two types of simulation models were utilized for this purpose: a Discrete Fracture Model (DFM) 
and a Fractured Continuum Model (FCM).   

The DFM model was developed first to simulate a single discrete fracture, which was used to 
evaluate the expected amount of thermal drawdown adjacent to that fracture. For this purpose, 
the DFM model was set up with a 25 Kg/s flow rate, intending to simulate a relatively worst-case 
condition for thermal drawdown analogous to a 200 Kg/s total flow rate through eight discrete 
fractures at a depth of 5.5 km.   

Under these conditions, the region of temperature drawdown (after 30 years) perpendicular to the 
fracture plane was calculated to be approximately 65 m. A plot of the temperature profile 
perpendicular to a discrete fracture in the horizontal plane is provided in Figure 8. This 
temperature drawdown region was then used to set the optimal Base Case fracture spacing at 130 
m to minimize temperature interaction between adjacent fractures. 
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Figure 8  Temperature Profile Perpendicular to a Horizontal Discrete Fracture [Source: U of A] 
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With the DCM providing an estimate for the optimal Base Case fracture spacing, the FCM was 
then developed to estimate the thermal energy production possible from the EGS doublet. The 
FCM was also used to evaluate the influence of input parameters on thermal energy production 
for the sensitivity analysis. 

Rather than assuming a number of discrete fractures, the FCM model simulates a distributed 
network of fractures using equivalent permeabilities. These permeabilities were set to represent 
the optimal fracture spacing determined from the DFM. For the sensitivity analysis, the 
permeabilities were varied to evaluate the influence of certain input parameters on thermal energy 
production.  

A simplified flow chart summarizing the modeling approach is provided in Figure 9. 

 

Figure 9  Simplified Modeling Approach Flow Chart 

More information regarding the modeling approach is provided in Appendix B. Heat transfer to 
and from the wells was modeled separately and is discussed further in Section 4.4.  

4.2 Thermal Energy Production Results 

Once the FCM model was developed, the Base Case and a number of sensitivity cases were run as 
summarized in Table 2, and the estimated thermal energy production over the 30-year project life 
is provided in Figure 10 for each of the main analysis cases. 
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Figure 10  Estimated Thermal Energy Production over 30 Years 

Similarly, Figure 11 shows the temperature of the produced fluid at the production well, neglecting 
wellbore heat transfer effects, for each of the analysis cases. 
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Figure 11  Estimated Production Temperature over 30 Years 

4.3 Sensitivity Analysis Results 

The results of the sensitivity analysis are summarized in Figure 12, which shows the influence of 
each input parameter on average thermal energy production relative to the Intermediate Case. 
The parameters are ordered roughly in the order of relative influence, beginning with the fracture 
aperture, which had the greatest influence, and ending with well spacing which had the least 
influence (based on the range of values selected for analysis). 
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Figure 12  Influence on Average Thermal Energy Production (Relative to Intermediate Case) 

The sensitivity results for most of the input parameters were obtained by modifying the parameter 
directly in the FCM, while holding flow rate and temperature constant (per the Intermediate Case) 
to obtain thermal energy production results. The differential pressure across the reservoir was 
treated as variable in each of these cases. For the fracture parameters (aperture and spacing), the 
differential pressure was instead held constant, and the resulting flow rate was used to estimate 
the thermal energy production. Based on fracture spacing of 260 m, 130 m and 65 m defined for 
the Conservative, Intermediate and Optimistic Cases, the resulting flow rates were equivalent to 
the flow rate sensitivity cases of 50 kg/s, 100 kg/s and 200 kg/s, respectively. Therefore, sensitivity 
results for the fracture spacing cases, based on the values selected, were the same as for the flow 
rate cases. 

As discussed in Section 2.4, some of the parameters in the sensitivity analysis were considered a 
function of the reservoir characteristics; whereas, some parameters could be designed for and 
controlled with a level of certainty. For example, the geothermal gradient is a function of the 
reservoir which, while currently uncertain, is effectively a fixed value; alternatively, the well depth 
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can be targeted to achieve the required production temperature and thermal energy production. 
Both of these parameters directly affect the reservoir temperature, which in turn affects the 
expected thermal energy production. This similarity is reflected in the results – e.g. the relative 
influence of an additional 1,000 m depth at 20°C/km (52%) is roughly equivalent to a higher 
geothermal gradient of 25°C/km at 4,500 m depth (50%) (neglecting wellbore heat transfer effects, 
which are discussed in Section 4.4). 

An additional sensitivity case was performed to simulate surface water injection at 13.5°C, which 
was the midpoint of the 2°C to 25°C range provided for winter and summer months, 
respectively [1]. The results showed a significant increase in the thermal energy production with a 
marginal decrease in the production temperature (1.9°C) after 30 years, as shown in Figure 13. 
These results suggest that utilizing the energy from water below 50°C in the oil sands mining and 
extraction processes, and thereby lowering the injection temperature, would increase the amount 
of thermal energy that could be extracted from the HDR (due to the increased temperature 
difference). In addition, lower injection temperatures could be utilized with minimal reservoir 
temperature drawdown at these conditions. 

 

Figure 13  Estimated Thermal Energy Production and Temperature over 30 Years – 13.5°C Case 
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Additional sensitivity case results are provided in Appendix B, including thermal energy production 
and temperature drawdown plots for each sensitivity case. 

4.4 Wellbore Heat Transfer Model 

Although not part of the formal work scope, U of A also performed modeling of the production 
wellbore to predict the temperature and pressure distribution along the length of the well. The 
purpose of this modeling was primarily to determine the extent of temperature loss that may 
occur between the formation and production wellhead. This could then inform whether the 
temperature loss is material enough to warrant refinements to subsequent models, or whether 
methods should be considered to minimize these temperature losses through completion 
changes (e.g. vacuum insulated tubing or insulating fluids in the casing annulus). 

In order to complete the modeling, a one-dimensional numerical model was developed (refer to 
Figure 1 in Appendix C). The model considered convective and conductive heat transfer between 
the well fluid and formation, with the outputs estimating production temperature and pressure of 
the well over time. 

Some assumptions were made to simplify the analysis, including: 

1. The fluid transport was considered inviscid, isotropic, and flowing up a pipe with constant 
cross-sectional area and mass flow rate. 

2. The fluid was considered single phase and fully developed, and one-dimensional in the 
vertical direction. 

3. The heat transfer was considered to be 1-dimensional in the direction perpendicular to 
flow. 

Under the input conditions that were modeled (reservoir depth of 4,700 m, mass flow rate of 
200 kg/s, geothermal gradient of 20oC/km), the results showed that temperature at surface would 
be approximately 10oC lower than at reservoir depth due to heat losses from the fluid to the 
surroundings (refer to Figure 5 in Appendix B). Furthermore, the results suggest that this 
temperature drop would increase slightly as the mass flow rate decreased, to approximately 14oC 
at 50 kg/s (refer to Figure 13 in Appendix B).   

While this modeling was outside of U of A's agreed upon work scope and performed in parallel 
with production modeling (so that the results could not incorporated into the economic analysis), 
it should be noted that heat losses from the production well may have a material impact on the 
thermal energy production of the system. This should be considered in EGS development projects, 
potentially by increasing drilling depth to compensate for losses, or by insulating the production 
string.
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5. ECONOMIC ASSESSMENT 

5.1 CCBA Tool Input Assumptions 

Revision 1.05 of COSIA's CCBA Tool includes a set of input assumptions that have been reviewed 
by COSIA members and provided a consistent basis of comparison among various technologies 
and project proposals (e.g. Environmental Technology Assessment Portal (E-TAP) submissions), as 
well as COSIA members. 

Some of the key commodity price assumptions in the CCBA Tool for year zero (i.e. 2019) are as 
follows: 

• Natural gas: CAD$3.28/GJ; 

• Heat returned: CAD$4.28/GJ; 

• Electricity: CAD$69.36/MWh; and 

• GHG levy: CAD$30/tonne CO2e, increasing to CAD$50/tonne CO2e in 2022. 

The above commodity prices are assumed to increase at the rate of inflation, which was assumed 
to be 2% per year. For financial calculations such as the Net Present Value (NPV), a discount rate 
of 8% was applied. 

In addition, GHG emissions from electricity generation were factored into electricity consumption 
with an Alberta GHG Electricity Grid Factor of 0.630 in 2019, decreasing to 0.395 in 2030 and held 
constant from that point forward to the end of the 30-year project life. 

Although the financial impact of GHG pricing was not explicitly included in Revision 1.05 of the 
CCBA Tool, after consultation with COSIA's working group lead, C-FER utilized the GHG levy 
pricing assumptions included in the model and added an additional cash flow stream based on 
the GHG reductions associated with natural gas avoidance for the EGS project. Therefore, the 
financial results presented in this preliminary feasibility assessment include the impact of GHG 
pricing, in line with the above assumptions. 

5.2 Economic Results Summary 

To better understand the economic sensitivity to changes in the input parameters and potential 
range of economic results, the production results from the optimistic and intermediate sensitivity 
cases were used to compare the economic results to the base case. (Note that based on the 
production modeling results, the conservative sensitivity case was considered uneconomic and 
was not assessed with the CCBA Tool). 



 
Economic Assessment 

Final Report - Preliminary Assessment of Enhanced Geothermal Systems for Oil Sands Mining Operations 28 
C-FER File No. C528 

The economic results for the Optimistic, Base and Intermediate Cases are summarized in Table 8 
for each of the two cost scenarios.  As discussed in Section 2.5, the two cost scenarios correspond 
with the two well scenarios, where Scenario 1 represents two vertical wells with open-hole 
completions and Scenario 2 represents two deviated or horizontal wells with advanced 
completions. 

Case and Well 
Scenario 

Internal Rate of 
Return 

Net Present 
Value 

(CAD$, 8%) 

Average 
Annual GHG 
Reduction 

(tCO2e) 

GHG Levy for 
NPV of Zero 

(CAD$/tonne) 

Optimistic Case #1 19.0% 93,948,276 110,893  (20.56) 
Optimistic Case #2 12.2% 48,508,037  110,893  14.89  
Base Case #1 9.6% 10,156,482  58,455  39.33  
Base Case #2 3.6% (35,283,758) 58,455  99.26  
Intermediate Case #1 (1.8%) (45,774,588) 23,362  221.88  
Intermediate Case #2 (7.9%) (81,813,398) 23,362  355.06  

Table 8  Economic Results Summary for Optimistic, Base and Intermediate Cases 

The GHG levy for NPV of Zero column provides an indication of what average GHG levy would be 
required over the life the project to achieve an NPV of zero at an 8% discount rate. For reference, 
the average effective GHG levy based on the CCBA Tool input assumptions was CAD$52.73/tonne 
of CO2e. 

A visual summary of the Internal Rate of Return (IRR) for each case and scenario is provided in 
Figure 14. 



 
Economic Assessment 

Final Report - Preliminary Assessment of Enhanced Geothermal Systems for Oil Sands Mining Operations 29 
C-FER File No. C528 

 

Figure 14  Estimated Internal Rates of Return for Optimistic, Base and Intermediate Cases 
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did not account for all factors that change with well depth; however, the results demonstrate 
increased economic value from accessing higher reservoir temperatures and thereby enabling 
greater thermal energy production. 

5.4 Extension to Multi-Well Project 

As discussed in Section 2, this preliminary feasibility assessment focused on the economics of a 
single EGS doublet consisting of one injection and one production well. As commercial-scale oil 
sands mining applications require more hot process water than a single doublet can provide, 
opportunity exists to scale the EGS from a doublet to a multi-well field project. 

While the economics of a multi-well field project was not the focus of this preliminary assessment, 
the following considerations are noted: 

• Cost reductions would be expected on a per-well basis based reduced rig mobilization 
and test setup activities, as well as increased rate of penetration (ROP) as drillers gain 
experience over the course of a larger drilling program; 

• Well tie-in costs would be affected by well spacing and the distance between the multiple 
wellheads and the surface facilities; 

• Other capital costs, including completions, stimulation and surface equipment, may 
benefit from economies of scale; 

• Temperature drawdown from neighboring wells could affect potential thermal energy 
production. Numerical modeling results showed that temperature drawdown outside of 
each well pair was limited to approximately 60 m from each well; however, reservoir 
stimulation could substantially increase the potential for reservoir interaction; and 

• Depending on the reservoir stimulation approach, well spacing may be limited by the 
potential for communication between neighboring wells (often referred to as frac-hits in 
tight-oil applications). 

With the above conditions noted, it was generally expected that the costs and thermal energy 
production results estimated for an EGS doublet could be expected to scale approximately linearly. 
However, a more detailed, site-specific assessment is suggested to evaluate the economics of a 
multi-well project. 
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6. KEY RISKS TO FEASIBILITY 

6.1 Reservoir Characteristics 

One of the key risks identified at the outset of this preliminary feasibility assessment was the 
impact of uncertain reservoir characteristics at relevant depths near the oil sands mining sites in 
the Fort McMurray area. Reservoir characterization is a fundamental step for an EGS project, and 
the resulting reservoir characteristics directly impact reservoir modeling, stimulation modeling, 
well design, thermal energy production modeling, facility design and operations planning 
activities. 

Understanding the geothermal gradient in the region is essential to identifying a target depth for 
the EGS doublet, which is a significant driver of capital costs. For example, if the actual geothermal 
gradient were 5°C/km less than the assumed 20°C/km, thermal energy production would be 
expected to decrease by 55% relative to the Intermediate Case. Alternatively, to achieve the same 
reservoir temperature of 90°C with a 15°C/km geothermal gradient, well depth would need to be 
extended from approximately 4.5 km to 6 km.  

Similarly, confirming in-situ stress conditions and rock properties would assist with fracture 
modeling and development of a suitable stimulation plan to achieve the required thermal energy 
production. These factors have a direct and material impact on the feasibility of an EGS project. 

6.2 Reservoir Creation 

An economic EGS project requires the creation of a permeable reservoir with a fracture network 
that provides enough contact with the hot rock (i.e. reservoir volume) to minimize temperature 
drawdowns, while supporting sufficient heat transfer at high flow rates to maximize thermal 
energy production. Creation of such a reservoir has proven challenging in past EGS projects. Based 
on historical precedent, a key risk for EGS has been development of one large fluid pathway or 
channel (i.e. a short-circuit) which dominates flow between the injection and production wells, 
resulting in insufficient hot rock surface contact and heat transfer to the working fluid [11, 17, 19]. 

Utilization of advanced completion techniques including zonal isolation and multi-stage 
stimulation may help to mitigate risks associated with reservoir creation. For example, 
sliding-sleeve liner systems have the potential to provide zonal isolation for multi-stage 
stimulation and to control flow paths between injection and production wells [17]. Another option 
may be Flow Control Devices (FCDs), which create a flow restriction such that higher flow rates 
result in higher pressure drops. These devices may be placed at predetermined intervals along the 
length of the wells to help distribute flow along the length of the wells in contact with the target 
reservoir [22].  
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In combination with flow characterization techniques (e.g. tracer tests), these flow control methods 
could enable operators of an EGS project to optimize flow between injection and production wells 
based on reservoir conditions and with limited intervention. In the case of a short-circuit, flow 
through the affected zones could be restricted to direct flow through a larger volume of the 
reservoir. 

In consideration of the above points, Well Scenario 2 may be considered to have a higher chance 
of success in achieving and maintaining sufficient flow and temperature over the life of the project 
compared to Well Scenario 1. For this study, however, both scenarios were assumed to be able to 
achieve the same production results from the reservoir, as quantifying the production risk and 
associated economic impact was beyond the scope of this preliminary assessment (and would be 
subjective without more in-depth fracture modeling based on actual reservoir conditions). 

6.2.1 Stimulation Approach 

As discussed in Section 2.3, two different stimulation approaches have been proposed for EGS 
development: hydroshearing and hydraulic fracturing techniques. There is no current academic 
consensus on the best path forward; although, significant research is being conducted on this 
topic through U.S. Department of Energy ("DOE") funding programs including the Frontier 
Observatory for Research in Geothermal Energy [23] and EGS Collab [27] projects. In the absence 
of a clear path forward and project-specific stimulation modeling and design, uncertainty 
regarding the probability of stimulation success represents a risk to the project. 

The sensitivity of the thermal energy production to the fracture aperture demonstrated in this 
preliminary feasibility assessment represents another source of uncertainty and potential risk to 
the feasibility of this EGS project. The sensitivity analysis showed that a fracture aperture of 0.1 mm 
was associated a 99% decrease in thermal energy production relative to the Intermediate Case 
fracture of aperture 0.5 mm. This result demonstrates the importance of accurate fracture 
modeling, which may require further research and development, and appropriate stimulation 
design based on representative reservoir conditions. 

6.2.2 Flow Rates 

The preliminary feasibility analysis results show that EGS requires high flow rates at relatively stable 
production temperatures to generate economic value. It is anticipated that the wells, reservoir, AL 
and surface facilities can be designed to accommodate the necessary flow rate; however, 
uncertainty exists regarding the reservoir conditions that can be created through stimulation and 
the associated pressures required to achieve economic flow rates. As a result, there is a risk that 
economic flow rates may not be achieved, or that changes in reservoir conditions (as a result of 
production operations) will affect the flow rates over time. Should higher than expected injection 
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and/or production pressures be required to achieve economic flow rates, additional AL systems 
may be required, which would increase both capital and operating costs.   

Achieving flow rates of 200 kg/s per well may require further AL product development or 
customization, and may also require larger, more expensive wellbores, production casing and 
completion designs. Including additional wells (e.g. a triplet) or utilizing multiple doublets could 
also be investigated to limit the required flow rates. 

6.2.3 Induced Seismicity 

Stimulation and operation of EGS reservoirs have been associated with induced seismicity events, 
which in certain cases, such as the Deep Heat Mining Project in Basel, Switzerland, have resulted 
in project termination [24]. More recently, research has linked the 2017 magnitude 5.5 earthquake 
in Pohang, South Korea, which caused an estimated US$290 million in damage, with fluid injection 
at a nearby EGS project [1, 28, 29]. Although more detailed reservoir and design information will 
assist in assessing the seismic hazard for this EGS project, further assessment of induced seismicity 
risk will be required in in advance of a pilot project. Should an extensive, real-time seismic 
monitoring system be required to manage induced seismicity risk, additional costs may be 
required. For reference, such a system was employed by ST1 during stimulation of their project in 
Otaniemi, Finland [25].
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7. CONCLUSIONS 

7.1 Takeaways 

Key takeaways based on the results of this preliminary feasibility assessment include the following: 

• EGS has the potential to supply commercial-scale hot water to an oil sands mining site; 

• One EGS doublet with Base Case parameters could reduce GHG emissions by an average of 
58,455 tonnes CO2e per year, over a 30-year project life; 

• The above GHG reduction could be realized with a positive IRR of approximately 3.6% to 9.6%; 

• Drilling and completion costs represent approximately two-thirds of the estimated capital 
costs; therefore, advancement of drilling technologies (e.g. hammer drilling) or techniques to 
increase drilling rate of penetration (ROP), offer the potential to significantly reduce capital 
costs and improve economics; 

• Well Scenario 2 included higher capital costs to allow for newer technologies and techniques 
to be utilized, including: horizontal drilling, multi-stage hydraulic fracturing and advanced 
completions; 

• Advanced completions may facilitate the creation of a suitable EGS and lower the risk of fluid 
short-circuiting between wells; 

• Uncertainty exists regarding reservoir characteristics at relevant depths in the Fort McMurray 
area; 

• Creation of a suitable reservoir represents the primary technical risk to achieving commercial-
scale thermal energy production; 

• Thermal energy production was highly sensitive to the fracture aperture, which underscores 
the importance of appropriate fracture modeling and stimulation design; 

• Increasing well depth is expected to result in a net economic benefit as the increase in thermal 
energy production outweighs the increase in costs (at least up to 5.5 km); and 

• Many EGS technologies and techniques are the subject of current research activities, which are 
expected to improve the technical and economic feasibility of this project with time. 
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7.2 Key Economic Drivers 

The economic feasibility of this EGS project is highly sensitive to a few key economic drivers. 
Should the input assumptions for these drivers change, a material impact on the reported 
feasibility of the EGS project can be expected. These factors include: 

• Natural gas prices, as natural gas displacement is the primary source of economic value; 

• GHG prices, which are the secondary source of economic value; 

• Drilling and completion costs, which represent the largest capital cost component; 

• Electric power requirements for ALs, which add to operating costs and are an indirect 
source of GHG emissions; and 

• The ratio of operating costs to capital costs used to estimate annual operating costs.
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8. RECOMMENDATIONS 

Based on the results of this preliminary feasibility assessment, the following steps are 
recommended in advance of an EGS pilot project: 

1. Characterize reservoir conditions (e.g. geothermal gradient, natural fractures) in the 
Fort McMurray area; ideally by drilling and logging one or more appraisal wells; 

2. Apply the updated reservoir parameters to update the conceptual design and detailed 
feasibility assessment, to verify if further activities are warranted; 

3. Perform fracture modeling and stimulation design to further assess requirements for 
commercial thermal energy production and level of certainty; 

4. Perform an induced seismicity hazard and risk assessment; and 

5. Complete a FEED study including more site-specific costing and detailed well design 
parameters for an EGS pilot project. 
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Borealis GeoPower  
C-FER: Deep Drilling Discussion
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Table of Contents 



Current State of the Art 
Very deep well bores have recently been drilled, in the 
basement, in Finland … 

Otaniemi, Finland 
(Well bore profile) 

Comments: 
•  EGS heat project, notional 40 MWth 
•  Strada Energy (driller), ED-500 (rig) 
•  Well bore: 

•  Stage 1: 26”/660 mm to 274m 
•  Stage 2: 17.5”/448mm to 2,900m 
•  Stage 3: 12.5”/318mm to 4,600m 
•  Stage 4: 12”/305mm to ~6,400m 

•  Drilling 
•  Stage 1-3: Air Hammer  
•  Stage 4: Water hammer/Tricone (moved 

to 42° inclination)	
•  ROP’s:  

•  Stage 1-3: ~12.5 M/hr, max 25 m/hr 
•  Stage 1-3: 200-300 m/day 

•  Costs not disclosed 

Spacing TBD !! 
Post frac analysis	

At 4,600m,made 
decision to incline well 
~ 800m required to 
accomplish bend	

3 



Current State of the Art 
… and recently in Cornwall, England 

Comments: 
• HFR heat/power project, notional 1-3

MWEL, > 10 MWTH

• Anger Sone/ Marroitt (Driller) – Innova Rig
(Herrenknecht/GFZ) 

• Well bore - Production:
• Stage 1: 24”/610 mm to 250m
• Stage 2: 17.5”/448mm to 900 m
• Stage 3: 12.5”/318mm to 4,000m
• Stage 4: 8.5”/216mm to 5,275m (TD)

• Drilling
• Stage 1-4: Air Hammer, Water

Hammer, Tricone (As required)
• ROP’s:

• Not disclosed
• £18 Million for the 2 wells, including tubing

and cement; except in fracture zone 

2,
50

0m
 

4,
50

0m
 

Power 
Plant 

Injection well 

Porthtowan 
Fault 

Water movement 
Through fractures 

Production well 

Granite 

United Downs, England 
(Well bore profile) 

300m 

5,275m TD 
5,500m MD 
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Current State of the Art 
Observations 

Comments: 
• Currently at well # 8-10 using latest and evolving deep drilling hammer technology
• While deviated and inclined wells have been drilled, there have been no horizontal

well bores delivered, as of yet
• While cost savings have been mooted, this information is (a) sparse and (b) appears

aggressive – we often are not provided with the basis for comparison
• At least 2 drill manufacturers continue to evolve rigs, bits, and hammer technology –

in an effort to lead this market (Strada, Herrenknecht)
• Fracking/Stimulation is not being performed between wells – rather, where it’s being

performed, it occurs post well #1 and the second well is to be drilled into the
measured fracture field (not sure if this is better or worse)
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C-FER Base Case
Assumes drilling vertical wells to a depth of ~6,300 m, to
provide for an average reservoir temperature of 110°C
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Notional Wellbore 
(C-FER 1&2: Not to Scale) 

Key costing assumptions: 
• Strada ED-500, or next gen rig, available

and/or built in North America (potential 8
km depth)

• Wide diameter (24”) to bedrock and case
off aquifer (set at 500m)

• Max depth on 17.6” air hammer (2,900m)
• Max depth on 12.5” air hammer (4,600m)
• Water hammer (or best) to depth (6,300m)
• Limited down hole steering
• Open hole after 4,700m

500m 

2,900m 

24” ! 

17.6” ! 

4,600m 

6,300m 

12.5” ! 

12” ! 

C-FER 1 C-FER 2

~ 350m 

~ 10m 

EGS Fractures Average T 
110 °C 



C-FER Base Case
Using Cornwall as a proxy (2019 costs), the base case
well pair should cost ~45.9 MM to drill and complete
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Notional Wellbore 
(C-FER 1&2: Not to Scale) 

Key economic assumptions: 
• Simple quantities pro-ration based on

volume drilled, depth, and casing surface
area

• Drilling costs dominate completion in this
scenario (stimulation costs excluded)

• AB basement granite similar in hardness to
Cornwall, England 

• Site location costs are similar
• No special mob/demob for a European

based rig 
• No further improvement in drilling

techniques/technologies
• Notional errors +/-  20%

500m 

2,900m 

24” ! 

17.6” ! 

4,600m 

6,300m 

12.5” ! 

12” ! 

C-FER 1 C-FER 2

~ 350m 

~ 10m 

EGS Fractures Average T 
110 °C 



C-FER Horizontal Case
Accounting for the ‘bend’, this requires drilling to ~
7,350m to get a 1,600m lateral at 5,500m depth
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Notional Wellbore 
(C-FER 3&4: Not to Scale) 

Key costing assumptions: 
• Strada ED-500, or next gen rig, available

and/or built in North America (potential 8
km depth)

• Wide diameter (24”) to bedrock and case
off aquifer (set at 500m)

• Max depth on 17.6” air hammer (2,900m)
• Max depth on 12.5” air hammer (4,650m)
• 42° bend took 800m measured depth, 90°

bend will take ~1,700m (~850m vertical)
• Drill bend and additional 1,600m lateral at

12”, open hole
• Drill second parallel well 250m beside, in

the horizontal plane (our view is that we will
see vertical fractures proppogating
horizontally)

500m 

2,900m 

24” ! 

17.6” ! 

4,650m 

5,500m 

12.5” ! 

12” ! 

C-FER 3 C-FER 4

~ 250m 

Close 

Average T 
110 °C 

6,
35

0m
 

7,
95

0m
 

~ 1,600m 

EGS Fractures 



C-FER Horizontal Case
Using Cornwall as a proxy (2019 costs), the base case
well pair should cost ~60.9 MM to drill and complete
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Notional Wellbore 
(C-FER 3&4: Not to Scale) 

Key economic assumptions: 
• Simple quantities pro-ration based on

volume drilled, depth, and casing surface
area

• Cost factor increased through bend and
horizontal, to reflect reduced ROP

• Drilling costs dominate completion in this
scenario (stimulation costs excluded) 

• AB basement granite similar in hardness to
Cornwall, England

• Site location costs are similar
• No special mob/demob for a European

based rig 
• No further improvement in drilling

techniques/technologies 
• Notional errors > +/- 20%(Wider range)
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C-FER Case’s
Final Observations
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Some thoughts: 
• Vertical case is current state of the art – costs will likely improve as learning curve

develops (moving from wells #8-10 to wells 25+) and hammer technologies improve
(slightly)

• With an air/water hammer, there does not appear to be a MWD capability.  As such,
external subsurface sensors (geophones) are used to image well bore progress and
orientation.  This allows the measuring any subsequent fracture field prior to drilling
well #2 – a likely ‘good’ risk mitigation step, if fracturing is substantially less cost than
well #3

• We are lacking the North American rig that we need to do the work, but one could likely
be ordered if we had 18 months+ notice (ish)



C-FER Case’s
Drilling Costs – All In
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Capital Cost Estimates ($MM, CDN, 2019): 

Vertical estimates +/- ~20% 
Horizontal estimates > +/- 20% (unsure) 

Should see fairly constant absolute differences as you are subtracting, from the deepest 
case, 1,000m of vertical well bore (x2) in each shallower well pair 

Depth Vertical Horizontal 
3,500m 36.0 48.9 
4,500m 40.2 55.2 
5,500m 45.9 60.9 



C-FER: Well Information Sources 
Appendix 
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Discussion: 
 
Public disclosures on financing: UDDGP 
Interview: Tero Saarno, ST1 (Finland - Otaneimi) 
Interview: Ryan Law, Geothermal Engineering (UDDGP - Cornwall) 
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Table of Contents 
  

Discussion: 
 
Simple List at this point 
•  Interconnection pipes (including X-Loop ? Agree insulation not required ?), valves 
•  Heat exchanger 
•  Pumps 
•  Measurement 
•  Chemical injection points 
•  Question: What is our view on redundancy/uptime ? 



Surface Facilities – Assumptions 
Any estimate is based on quantities, and underlying 
assumptions are brought forward here 
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Discussion: 
 
Simple List at this point 
•  Interconnection pipes (including X-Loop ? Agree insulation not required ?), valves 
•  Heat exchanger 
•  Pumps 
•  Measurement 
•  Chemical injection points 
•  Question: What is our view on redundancy/uptime ? 

Facility Dimensions/Criteria Variance between 
cases 

Connection piping 200m cold side, 400m hot side; 
based on minimum drilling 
offset to facilities 

None; different 
diameters will have 
almost no impact on cost 

Pumps Only required to move 
subsurface fluid, imperial cold 
loop under pressure 

Based on flow rate 

Power Lines Assumes required voltage pre-
exists; 500m offset from 
existing; costs will include 
controls 

None 

Heat Exchanger Recent studies on HX design; 
$ Cdn/KW capacity 

Based on flow rate 



Surface Facilities – Connection Piping 
Recent experience at Imperial (Kearl) is our basis for 
suggesting that the best case is ~ $4.0 Million 
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Facility Dimensions/Criteria Cost Estimate 
Connection piping Recent experience: ~1,100 m 

of 8” pipe; ~ $2.5 MM 
None; different 
diameters will have 
almost no impact on cost 

Ensure expansion loops every 
100m  
Assume valves for dual 
surface pumps, w/ bypass 
All Cases the same $4.0 Million 



Surface Facilities – Heat Exchangers 
Heat exchange costs will vary linearly with heat exchange 
requirements; these represent the ‘conservative case’ 
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Facility Dimensions/Criteria Cost Estimate 
Heat Exchangers Costs are a function of hot side 

inlet temperature, cold side 
inlet temperature, total heat 
transfer, physical dimensions, 
location and installation costs 

Estimated costs on 
capacity basis relative to 
previous experience on 
site with ~1 GW P/F heat 
exchanger.  Set to 110  
C and then pro rated for 
impact from lower 
geothermal inlet 
temperatures 

@ 110 C   50 l/s:  12.6 MW $1.0 Million 
@ 110 C 100 l/s:  25.1 MW $1.5 Million 
@ 110 C 200 l/s:  50.2.1 MW $3.5 Million 



Surface Facilities – Pumps 
Pumping capital costs will vary linearly with flow 
requirements; these represent the ‘best case’ 
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Facility Dimensions/Criteria Cost Estimate 
Pumps Assume a 500m head of water 

(4,900 kPa); no change as 
EGS ‘reservoir’ is contained 
(no leakage); 60% pump 
efficiency; full redundancy 
  50 l/s:    410 kW $0.8 Million 
100 l/s:    820 kW $1.2 Million 
200 l/s:  1,640 kW $2.4 Million 



Surface Facilities – Power Line and Controls 
Power & Controls costs are likely fixed, in all cases 

18 

Throughput Dimensions/Criteria Cost Estimate 
Power Line & 
Controls 

~ 500m to internal 
interconnect; required voltage 
existing, use existing controls 
but wire in new units 
All Cases $0.8 Million 



Surface Facilities – Complete Estimate 
The data show that there is some limited value in project 
scale, on a $Capex/unit flow basis 
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Temperature Flow: 50 l/s Flow: 100 l/s Flow: 200 l/s 
70 C 
geothermal 
inlet 

7.8 Million  9.4 Million 15.1 Million 

90 C 
geothermal 
inlet 

7.1 Million 8.3 Million 12.5 Million 

110 C 
geothermal 
inlet 

6.6 Million 7.5 Million   10.7 Million 



C-FER: Surface Facility Information Sources 
Appendix 
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Discussion: 
 
Interviews: Devon Koroluk 
Various engineering studies on: 
•  Large scale plate and frame heat exchangers 
•  Water pump costs and efficiencies 
Quotes on heat exchanger costs 
 



 
 

 

APPENDIX B – PRODUCTION MODELING RESULTS (UNIVERSITY OF ALBERTA) 
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APPENDIX A: Numerical modeling on the performance of discrete 

fractures and enhanced geothermal system for geothermal energy 

exploitation 

1 Methods 
1.1 Procedure 
 
The performance of an enhanced geothermal system was simulated with two methods: the 
discrete fracture model (DFM) [1, 2] and the fractured continuum model (FCM) [3, 4]. A flow 
chart of the modeling method is shown in Fig. 1. First, the geometry and boundary conditions 
were determined based on the geological settings around Fort McMurray. Then, the two kinds 
of simulation models (DFM and FCM) were built in COMSOL. After these two models were 
created, the DFM was used to determine the temperature drawdown around discrete horizontal 
and vertical fractures.  These results were then used to determine a reasonable fracture spacing 
and geometry size for the FCM. On this basis, the influence of reservoir parameters, operational 
parameters, and fracture parameters with FCM was evaluated. Reservoir parameters consist of 
the geothermal gradient, well spacing, and average depth. The operational parameters include 
injection temperature and flow rate. The fracture parameters are the fracture aperture and the 
fracture spacing. 

 
Fig. 1 Flow chart of numerical simulation on discrete fractures (a horizontal fracture and a vertical fracture) 

and enhanced geothermal system. 

 
1.2 Modelling a discrete fracture 
 
Two types of DFMs were built: a horizontal fracture (Fig. 2) and a vertical fracture (Fig. 3). 
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The parameters of rock and fracture were determined based on geological settings around Fort 
McMurray. The geometry, boundary conditions, and operational conditions are detailed in the 
following subsections. These two DFMs were used to determine the range of temperature 
drawdown around a discrete fracture. All the DFNs and FCMs were simulated with Darcy’s 
Law Module and Heat Transfer in Porous Media Module in COMSOL[2, 5]. 
 
1.2.1 Geometry 
 
 

 
 
Fig. 2 Schematic diagram and boundary conditions of a horizontal fracture in enhanced geothermal system 

(EGS). 
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Fig. 3 Schematic diagram and boundary conditions of a vertical fracture in enhanced geothermal system 

(EGS). 

 
1.2.2 Parameters for modelling on the fracture 
 
We assigned a maximum flow rate of the engineered reservoir of 200 kg/s with 8 fractures. The 
maximum average flow rate through a single fracture is 25 kg/s. The boundary and operational 
conditions for both fracture systems are shown in Table 1. 
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Table 1 Boundary and operational conditions of discrete fracture models on individual fractures (a horizontal 

fracture and a vertical fracture) 

Fracture 

Aperture (fracture width) 1 mm 
Density  2627.4 kg/m3 
Specific heat 850 kJ/(kg⋅K) 
Porosity 0.9 
Heat transfer coefficient 2.65 W/(m⋅K) 

Rock 

Density  2627.4 kg/m3 
Specific heat 850 kJ/(kg⋅K) 
Porosity 0.0145 
Heat transfer coefficient 2.65 W/(m⋅K) 
Permeability 1.677×1019 m2 

Temperature profile 
Surface temperature 0 ℃ 
temperature gradient 20 ℃/km 

Configuration 

Injection temperature 50 ℃ 
Injection rate 25 kg/s 
Well radius 0.1 m 
Well spacing(wells are fixed 25 m from the 
edge of the reservoir) 

350 m 

Open well 10 m 
Depth of the fracture 5500 m 
Geometry radius 350 m 
Reservoir radius 200 m 
Upper boundary and bottom boundary (side 
boundary for vertical fracture) 

150 m 

 

1.3 Modelling on enhanced geothermal system 
 
The performance of an enhanced geothermal system was simulated with an FCM. In an FCM, 
distributed network of fractures are described with equivalent permeability [1]. FCM models 
were developed for both vertical and horizontal base cases (Fig. 4 and Fig. 5). The performance 
of these two base cases were investigated with an average depth of 5500 m and an injection 
flow rate of 200 kg/s at 50 ℃. The boundary and operational conditions (input parameters) are 
listed in Table 2. Among these parameters, the fracture spacing and the size of the geometry of 
the FCM was determined based on the range of temperature drawdown around individual 
fractures. After comparing the production temperature and the output power of the two base 
cases, we conducted sensitivity studies by changing the input parameters of the FCM.  
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Fig. 4 Schematic diagram and boundary conditions of the EGS (vertical case) using fractured continuum 

model (FCM). 
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Fig. 5 Schematic diagram and boundary conditions of the EGS (horizontal case) using fractured continuum 

model (FCM). 

  

Geometry 
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Table 2 Boundary and operational conditions of the EGS (base cases) using FCM 

Fracture 

Aperture (fracture width) 0.5 mm 
Density  2627.4 kg/m3 
Specific heat 850 kJ/(kg⋅K) 
Porosity 0.9 
Heat transfer coefficient 2.65 W/(m⋅K) 
Fracture spacing  130 m 

Rock 

Density  2627.4 kg/m3 
Specific heat 850 kJ/(kg⋅K) 
Porosity 0.0145 
Heat transfer coefficient 2.65 W/(m⋅K) 
Permeability 1.677×1019 m2 

Temperature profile 
Surface temperature 0 ℃ 
temperature gradient 20 ℃/km 

Configuration 

Injection temperature 50 ℃ 
Injection rate 200 kg/s 
Well radius 0.1 m 
Well spacing(wells are fixed 25 m from the 
edge of the reservoir) 

350 m 

Fractured zone (open well) 1600 m 
Average depth of the fractured zone 5500 m 
Geometry radius 350 m 
Reservoir radius 200 m 
Upper boundary and bottom boundary (side 
boundary for horizontal case) 

150 m 

 
1.3.2 Parameters for sensitivity study 
 
To study the performance of the EGS under different conditions, the vertical EGS scenarios 
was simulated with fixed reservoir length of 1600 m under three cases: intermediate case, 
conservative case, and optimistic case. The input parameters of these three cases are listed in 
Table 3. After the performance of these three cases were studied, we changed the input 
parameters of the intermediate case one by one to conduct a sensitivity study. The altered 
parameters include the geothermal gradient, fracture aperture, well spacing, injection 
temperature, average depth, and injection flow rate according to Table 3. 
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Table 3 Input parameters for the sensitivity study with FCM 

Input Parameter 
Sensitivity Cases 
Conservative Intermediate Optimistic Other 

Geothermal 
gradient, °C/km 

15 20 25 30 

Fracture aperture, mm 0.1 0.5 1 - 
Fracture spacing, m 
(Approx. # of fractures) 

260 (6) 130(12) 65 (24) - 

Well spacing, m 200 350 500 - 
Injection temperature, °C 50 50 50 13.5 
Average depth, m 3500 4500 5500 - 
Injection rate, kg/s 50 100 200 - 
Operating time, years 30 30 30 - 

 

2 Results and discussion 
2.1 Temperature drawdown around individual fractures 
2.1.1 Temperature drawdown around the horizontal fracture 
 
The temperature profiles along the horizontal fracture at 5500 m show that the range of the 
temperature drawdown is, on average ~ 59.62 m adjacent to the fracture plane (Fig. 6).  The 
average range of temperature drawdown in the vertical direction is 64.63 m (Fig. 7). The 
maximum fracture spacing cannot exceed twice temperature drawdown, so 130 m was 
determined as the maximum fracture spacing.  The distance between the geometry radius and 
the reservoir radius should be greater than the range of temperature drawdown on the fracture 
plane. Thus, if the reservoir radius is 200 m, a geometry radius of 350 m is reasonable. 
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Fig. 6 Temperature profile of the horizontal cut line (as shown in Fig. 2) along a horizontal fracture through 

the injection well and the production well 
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Fig. 7 Temperature profile of the vertical cut line (as shown in Fig. 2) normal to the fracture through the 

center of a horizontal fracture plane  

 
2.1.2 Temperature drawdown around the vertical fracture 
The temperature profiles along the vertical fracture centered at 5500 m shows that the range of 
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the temperature drawdown is, on average, ~ 63.70 m along the fracture plane (Fig. 8). The 
average range of temperature drawdown in the horizontal direction is 63.30 m (Fig. 9).These 
results are practically the same as with the horizontal fracture. The maximum fracture spacing 
and the geometry radius can also be determined as 130 m and 350 m, respectively. 
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Fig. 8 Temperature profile of the vertical cut line (as shown in Fig. 3) along a vertical fracture plane through 

the center of the fracture  

 

0 30 60 90 120 150 180 210 240 270 300
40.0

50.0

60.0

70.0

80.0

90.0

100.0

110.0

120.0

Location of the fracture

Drawdown
(63.85 m)

Te
m

pe
ra

tu
re

 a
lo

ng
 h

or
iz

on
ta

l c
ut

 li
ne

 (℃
)

Depth (m)

 Temperature along horizontal cut line
 Original temperature

Drawdown
(62.75 m)

 
Fig. 9 Temperature profile of the horizontal cut line plane (as shown in Fig. 3) normal to the fracture and 

through the center of the fracture  
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2.1.3 The performance of individual fractures 
 
The performance of both the horizontal and vertical fracture was investigated by comparing 
their production temperature (Fig. 10) and output power (Fig. 11). The performance difference 
between these two fractures is marginal. The production temperature and the output power drop 
from 110.00 ℃ and 6.30 MW at the beginning to 65.65 ℃ and 1.64 MW, respectively, after 
about three years. Then these two indexes decline slowly with time to 56.15 ℃ and 0.65 MW 
by the 30th year. The average difference of the output temperature and the output power between 
the two models are only 0.074 ℃ and 0.0078 MW, respectively, for 30 years. Therefore, the 
performance of the two fractures are practically the same. 

 
Fig. 10 Production temperature of the horizontal fracture and the vertical fracture at 5500 m with an injection 

flow rate of 25 kg/s at 50 ℃ 

 

 
Fig. 11 Output power of the horizontal fracture and the vertical fracture at 5500 m with an injection flow rate 

of 25 kg/s at 50 ℃ 
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2.2 The performance of base EGS cases 
 
The FCM is built based on the range of temperature drawdown around individual fractures. The 
maximum fracture spacing and the geometry radius were determined as 130 m and 350 m, 
respectively. Based on this, the performance of the horizontal and vertical EGS were also 
investigated by comparing their production temperature (Fig. 12) and output power (Fig. 13). 
Again, the performance difference of these two cases is negligible. The production temperature 
and the output power remain stable within the first 5 years, but they drop gradually from 110.00 ℃ 
and ~50.40 MW at the beginning to ~75.8 ℃ and ~ 21.65 MW, respectively, by year 30. The 
average difference between the two fracture systems is only 0.070 ℃ and 0.059 MW over 30 
years, respectively.  
 

 
Fig. 12 Production temperature of the EGS (base cases) with an injection flow rate of 200 kg/s at 50 ℃ and an 

average depth of 5500 m 
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Fig. 13 Output power of the EGS (base cases) with an injection flow rate of 200 kg/s at 50 ℃ and an average 

depth of 5500 m 
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Table 3. All the sensitivity studies were conducted by changing input parameters of the 
intermediate case in the simulation.  
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Fig. 14 Production temperature of the intermediate case, optimistic case, and conservative case (as shown in 

Table 3) 

 
 
Fig. 15 Output power of the intermediate case, optimistic case, and conservative case (as shown in Table 3) 
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changed to 3500 m and 4500 m (Fig. 20 and Fig. 21). The production temperature and output 
power of the EGS were compared for each scenario. The results indicate that greater geothermal 
gradient, wider well spacing, and deeper geothermal reservoir lead to higher production 
temperature and greater output power of the EGS.  
 
(1) Effect of geothermal gradient 
 

 

Fig. 16 Influence of the geothermal gradient on the EGS’ output temperature 
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Fig. 17 Influence of the geothermal gradient on the EGS’ output power  

 
(2) Effect of well spacing  
 

 
Fig. 18 The influence of well spacing on the production temperature of the EGS 
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Fig. 19 The influence of well spacing on the output power of the EGS  

 
(3) Effect of average depth 
 

 
Fig. 20 The influence of the average depth of the reservoir on the production temperature of the EGS  
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Fig. 21 The influence of the average depth of the reservoir on the output power of the EGS  
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(1) Effect of flow rate 
 

 

Fig. 22 The influence of the flow rate on the production temperature of the EGS 

 
 

 
Fig. 23 The influence of the flow rate on the output power of the EGS  
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(2) Effect of injection temperature 
 

 

Fig. 24 The influence of the injection temperature on the output power of the EGS  

 

 

Fig. 25 The influence of the injection temperature on the output power 
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2.3.4 Influence of fracture parameters 
 
To investigate the influence of fracture parameters on the EGS’ performance, the boundary 
conditions of the injection well and the production well were changed from a flow rate input to 
a pressure input.  This allows calculation of a flow rate at a fixed pressure difference between 
the injection well and the production well. The pressure difference was calculated based on the 
fluid field of the intermediate case. As the length of reservoir is long (1600 m), the pressure 
difference between the injection well and the production well is only 0.8335 MPa with a flow 
rate of 100 kg/s, an aperture of 0.5 mm, and a fracture spacing of 130 m in intermediate case. 
Fixing the pressure difference to 0.8335 MPa, the flow rates are 0.81 kg/s and 805.90 kg/s when 
the aperture is 0.1 mm and 1 mm, respectively. The flow rates are 201.48 kg/s and 50.73 kg/s 
if the fracture spacing is 65 m and 260 m, respectively. The results imply that larger aperture 
and smaller fracture spacing generate greater flow rate when the pressure difference between 
the injection well and the production well is fixed. 
 
The influence of fracture parameters on the EGS’ performance was investigated by comparing 
the production temperature (Fig. 26 and Fig. 28) and output power (Fig. 27 and Fig. 29) of the 
EGS under the scenarios described above. The results suggest that greater aperture and smaller 
fracture spacing lead to higher output power, but result in lower production temperature. 
Therefore, to produce water with higher temperature, the fracture spacing and fracture aperture 
should be optimized by hydraulic fracturing to achieve the desired output temperature and 
output power. 
 
(1) Effect of aperture 

 
Fig. 26 The influence of fracture aperture on the production temperature of the EGS at a fixed pressure 

difference (0.8335 MPa) between injection well and production well.  
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Fig. 27 The influence of fracture aperture on the output power of the EGS at a fixed pressure difference 

(0.8335 MPa) between injection well and production well. 

 
(2) Effect of fracture spacing 

 
Fig. 28 The influence of fracture spacing on the production temperature of the EGS simulated at a fixed 

pressure difference (0.8335 MPa) between injection well and production well. 
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Fig. 29 The influence of fracture spacing on the output power of the EGS at a fixed pressure difference (0.8335 

MPa) between injection well and production well. 
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drop gradually from 110.00 ℃ and ~50.40 MW at the beginning to ~75.8 ℃ and ~ 21.65 MW, 
respectively, in the 30th year. 
 
(4) The production temperatures of conservative, intermediate, and optimistic cases vary from 
52.50 ℃ to 51.37 ℃, 90 ℃ to 81.23 ℃, and 137.50 ℃ to 121.43 ℃ over 30 years, respectively. 
The corresponding output powers decline from 0.53 MW to 0.29 MW, 16.80 MW to 13.12 MW, 
and 73.50 MW to 60.00 MW, respectively. 
 
(5) Greater geothermal gradient, wider well spacing, and deeper geothermal reservoir lead to 
higher production temperature and greater output power .  
 
(6) Higher injection flow rate and lower injection temperature generate higher output power, 
but lead to lower output temperature; if the pressure difference is fixed, greater aperture and 
smaller fracture spacing produce higher output power, but result in lower production 
temperature. 

References 
[1] T. Hadgu, S. Karra, E. Kalinina, N. Makedonska, J.D. Hyman, K. Klise, H.S. Viswanathan, 
Y. Wang, A comparative study of discrete fracture network and equivalent continuum models 
for simulating flow and transport in the far field of a hypothetical nuclear waste repository in 
crystalline host rock, Journal of Hydrology 553 (2017) 59-70. 
[2] Z.-q. Qu, W. Zhang, T.-k. Guo, Influence of different fracture morphology on heat mining 
performance of enhanced geothermal systems based on COMSOL, Int J Hydrogen Energ 42(29) 
(2017) 18263-18278. 
[3] A. Franco, M. Vaccaro, Numerical simulation of geothermal reservoirs for the sustainable 
design of energy plants: A review, Renewable and Sustainable Energy Reviews 30 (2014) 987-
1002. 
[4] T. Hadgu, E. Kalinina, T.S. Lowry, Modeling of heat extraction from variably fractured 
porous media in Enhanced Geothermal Systems, Geothermics 61 (2016) 75-85. 
[5] K.J. Bakhsh, M. Nakagawa, M. Arshad, L. Dunnington, Modeling thermal breakthrough in 
sedimentary geothermal system, using COMSOL multiphysics, PROCEEDINGS Geothermal 
Reservoir Engineering  (2016). 
 



 
 

 

APPENDIX C – WELLBORE PRESSURE AND TEMPERATURE MODELING 
RESULTS (UNIVERSITY OF ALBERTA) 

 



1 

Sara Eghbali, 10-Nov.-2019 

 

APPENDIX B: Prediction of Temperature and Pressure Distribution along 
the Production Well in an Enhanced Geothermal System 

Introduction 

A one-dimensional transient numerical model is developed to estimate the pressure and 
temperature distribution along a vertical or inclined well. This model considers convective and 
conductive heat transfer between the well fluid and the formation. The transient heat conduction 
between the well and the formation is modeled using an empirical model based on an analytical 
heat transfer equation given by Carslaw and Jaeger (1959).  This equation predicts the influence 
radius of thermal conduction in the formation at different times. This model estimates production 
temperature and pressure of a vertical or inclined well versus time when it is operating at a specific 
mass flow rate and variant inlet temperature. In this report, first, we explain the assumptions of the 
model and the methodology. Second, we present the results of a vertical well case study.   

Methodology 

We developed a one-dimensional numerical model (Figure 1) to predict the production 
temperature and pressure. Figure 1 shows the schematic of an artesian well with a pipe with 
thickness of tp, and insulation with thickness of tins.  The thermal conduction radius in the formation 
rock is ∆r. Figure 2 presents the 1D numerical model of this study. We performed a sensitivity 
analyses on the reservoir pressure (in the range of 7413 psia to 9400 psia) and mean rock thermal 
conductivity (in the range of 1.8 to 7.2 w/m.k) to investigate the effect of these parameters on the 
production temperature and pressure. 

For developing the model, the following assumptions were made: 

1) The fluid transport presented here is considered inviscid, isotropic and flowing up a pipe 
with constant cross-sectional area 

2) Single phase and no-slip flow 
3) Fully developed flow 
4) 1D variation of velocity, pressure, temperature and thermophysical properties (in z 

direction).  
5) 1D heat transfer perpendicular to the flow direction (geothermal heat transfer) 
6) Constant mass flow rate over time 

The continuity (Eq. 1 and 2) and energy balance equations (Eq. 3) are the governing equations 
which are solved at each grid block and time step. 

ṁin − ṁout = ∂m
∂t

= 0                                                                                                             (Eq.1) 

So: 

ρvz πR2 |z - ρvz πR2 |z−dz= 0                                                                                                 (Eq.2) 



2 

ṁin(h + vz
2

2
− gz) |z - ṁout(h + vz

2

2
− gz) |z−dz = Q̇  +  Ẇs                                                     (Eq.3) 

Where ρ  is fluid density (kg/m3), R is the radius of the well, vz is the fluid velocity in z direction 
(m/s), h is enthalpy of the fluid (J/kg), z is the elevation of the fluid respect to the reference point 
(m), g is the gravitational acceleration (m/s2), Ẇs is the shaft work (J/s) which is zero and Q̇ is the 
heat transfer from the fluid to the surroundings (J/s): 

Q̇ = Tfluid−TRock
Rtotal

                                                                                                                       (Eq.4) 

The total resistivity between the well fluid and formation rock is as follows: 

Rtotal = 1
h(2πR)dz

+ 
ln (

R+tpipe
R )

2πdzKP
+ 
ln (

R+tpipe+tinsulation
R+tpipe

)

2πdzKinsulation
+ 
ln ( ∆r

R+tpipe+tinsulation
)

2πdzKRock
                           (Eq.5) 

 

After simplification: 

Rtotal = 1
2πdz

[ 1
hR

+
ln (

R+tpipe
R )

KP
+ 
ln (

R+tpipe+tinsulation
R+tpipe

)

Kinsulation
+ 
ln ( ∆r

R+tpipe+tinsulation
)

KRock
]                         (Eq.6) 

Eq. 4 is simplified to: 

Q̇ = Tfluid−TRock
1

2πdz[ 1hR+β]
                                                                                                                      (Eq.7) 

Eq. 3 is simplified to: 

ṁin(h + vz
2

2
− gz) |z - ṁout(h + vz

2

2
− gz) |z−dz = Q̇  = T−TRock

1
2πdz[ 1hR+α]

 = 2πdz (T−TRock)
 [ 1hR+β]

               (Eq.8) 

 
ṁ(h + vz

2

2 −gz) |z − ṁ(h + vz
2

2 −gz) |z−dz
(−dz)

= 
2πdz

(T−TRock)

 [ 1hR+β]

(−dz)
= 2π (TRock−T)

 [ 1hR+β]
                                          (Eq.9) 

−
ṁ�h + vz

2

2 −gz�|z−dz−ṁ�h + vz
2

2 −gz�|z   

(−dz)   = 
2πdz

(T−TRock)

 [ 1hR+β]

(−dz)
= 2π (TRock−T)

 [ 1hR+β]
                                      (Eq.10) 

Eq. 10 in differential form is simplified to: 

∂
∂z

ṁ(CpT + vz
2

2
− gz) =   2π(TRock−T)

 [ 1hR+β]
                                                                                       (Eq.11) 

Eq. 11 is discretized as follows: 
ṁ CpiTi

∆z
−

ṁ Cpi−1Ti−1
∆z

 +  2ṁ vi(vi−vi−1)
2∆z

 + ṁ g=   2π(TRock−Ti)
 [ 1hR+β]

                                                    (Eq.12) 

The unknowns ( Ti ) are brought in the left side to be solved: 

β 
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(
ṁ Cpi
∆z

+   2πdz)
 [ 1hR+β]

) Ti -  
ṁ Cpi−1Ti−1

∆z
 =    2π(TRock)

 [ 1hR+β]
 - ṁ g -  ṁ vi(vi−vi−1)

∆z
                                      (Eq.13) 

Where vi is substituted by  vi = ṁ
ρiπR2

 due to the continuity equation.  

After solving for Ti, the pressure of each grid block is estimated from below: 

P(zi) = P(zi−1) − ρigdzi − fi
dzi
2R

ρivzi2

2
                                                                                 (Eq.14) 

Where, fi is the friction factor. 

  

Figure 1: Schematic of an artesian well with thermal resistors between the well fluid and the formation rock 
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Figure 2: Schematic of the 1D numerical model of the geothermal system in this study 

During heat extraction from the formation, the temperature of the formation adjacent to the 
wellbore changes significantly. The formation temperature tends to be unchanged far away from 
wellbore. Therefore, there always is a radius of influence (i.e., ∆r).  When r > ∆r the formation 
temperature is undisturbed and is equal to TRock (Nian and Cheng, 2018).  During heat extraction 
from the formation, the ∆r increases with time, based on the analytical heat transfer solution 
equation given in Carslaw and Jaeger (1959).  An empirical model for ∆r was suggested that the 
influence radius could be extended to a distance from wellbore (Alimonti et al., 2016; Alimonti  
and Soldo, 2016 as: 

∆r = 2√αt                                                                                                                                (Eq.15) 

Where t is time and α is the thermal diffusivity of the formation rock: 

α = Krock
ρrockCP,rock

                                                                                                                                 (Eq.16) 

Where Krock, ρrock  and CP,rock are rock thermal conductivity, rock density and rock heat capacity, 
respectively.  

Figure 3 shows the flow chart of the model illustrating how the model considers the transient 
conduction heat transfer between the rock and well system.  
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Figure 3: Flow chart of calculating transient temperature and pressure profiles in the model 

Case study: Vertical well 

The model predicts the production temperature and pressure versus time for the well system with 
the schematic shown in Figure 4. Table 1 presents the input data for the base case. With the 
reservoir pressure corresponding to the hydrostatic pressure gradient of water (0.433 psi/ft), the 
reservoir pressure at 4700 m (i.e., reference depth of the reservoir) will be 6691 psia. However, 
simulation results show that minimum reservoir pressure to allow fluid flow from the well bore to 
the surface for the case with injection surface temperature (i.e., T surface, inj) of 50 oC, is 7413 psia. 
So, we assume reservoir pressure of 7413 psia for the base case.  
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Figure 4: Schematic of the vertical well 

According to the production casing type, which is generally K55 or L80, with steel material and 
the carbon content of 0.26 wt.%, the thermal conductivity is estimated to be 54 W/m.K (Wikipedia, 
2019).  

Rock density and heat capacity are assumed to be constant with temperature with the values of 
2627.4 kg/m3 and 850 J/kg.k, respectively. The cement’s thermal conductivity is assumed to be 
0.55 w/m.k for a cement with no insulation granules (Kim et al., 2012).  

The thermal conductivity of some rock samples with different lithologies and porosities were 
measured and correlated with temperature by Miao and Zhou (2018). The fitted correlation for a 
sandstone rock sample with a porosity close to the reservoir porosity of our case study was 
selected. These correlation parameters were adjusted to fit the reservoir rock thermal conductivity 
(i.e., 2.65 w/m.k) at the rock temperature at a depth of 2350 m (= 4700/2) (i.e., mean rock thermal 
conductivity). The fit correlation is used to predict thermal conductivity of the rock at different 
temperatures. A sensitivity analysis was performed on the mean rock thermal conductivity in the 
range of 1.88 to 7.2 w/m.k. 
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Table 1: Values of the input parameters for the base case 

Input Parameter Value 

Kcement (w/m.k) 0.55 
KRock, mean (w/m.k) 2.65 
ρrock (kg/m3) 2627.4 

CP,rock (J/kg.k) 850 
Inlet pressure (Pinj ,psia) 7413 

Mass flow rate (kg/s) 200 
Geothermal Gradient (oC/km) 20 

T air (oC) 0 
T surface, inj,  (oC) 50 

Length of grid blocks (∆z, m) 5 
Time increments (dt, days) 15 

Time (years) 30 
 

Results 

Figure 5 presents the profiles of fluid temperature and pressure at 15 days and 30 years along the 
wellbore, as well as the extracted power at the surface from the heat change between the produced 
fluid temperature and Tsurface, inj. We observe that fluid temperature decreases as it come up the well 
to the surface. This is explained below. 

As the fluid comes up the well, its enthalpy changes according to the net energy gain or loss, which 
is the sum of heat loss to the surroundings, the potential energy reduction, and changes in the 
kinetic energy (Eq. below).  

ṁ (hin -hout) = Q̇ + ṁ(vz, out
2

2
 − vz, in

2

2
) + ṁ g(zin − zout) 

(vz, out
2

2
 − vz, in

2

2
) term is negligible for single liquid phase flow, therefore: 

ṁ (hin -hout) = Q̇ + ṁ g(zin  − zout) 

For heat loss Q̇ > 0  and for upward vertical flow (zin > zout),  

Therefore, the right hand side of the above equation. is positive for the case of having heat loss or 
adiabatic condition (i.e., Q̇ = 0), resulting in fluid temperature reduction as it comes to the surface:   

ṁ (hin -hout) > 0 and  Tout<Tin    

Over time, as more heat diffuses into the rock from the well fluid, rock temperature increases and 
Krock reduces.  Also, the radius of influence increases (∆r). These two parameters lead to an 
increase in total resistance and reduction in heat transfer at each elevation over time. Therefore, 
fluid temperature has less temperature reduction over time as it flows to the surface.   
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Also, over time (i.e, 30 years), the inlet temperature reduces below the rock temperature. 
Therefore, fluid temperature is less than the rock temperature for a certain length of the well, and 
the fluid gains heat, leadsing to an increase in fluid temperature as it comes up to the surface.   

We observe that pressure drop in the well increases over time, and the pressure along the wellbore, 
as well as the production pressure, reduces as time passes. The reason is that the fluid temperature 
reduces over time and the density increases. Therefore, hydrostatic and frictional pressure drop 
increases, and the production pressure reduces over time. Since the production temperature reduces 
over time, the energy extraction rate (i.e., power) also reduces with time. An inlet pressure of 7413 
psia is the minimum pressure allowing fluid flow from the well bore to the surface after 30 years 
with surface pressure of 15.8 psia. 

 

Figure 5: Profiles of a) production temperature b) production pressure in the well after 15 days and 30 years and c) extracted 
power at the surface from heat exchange, for the base case with Pinj=7413 psia, k=2.65 w/m.k 

Figure 6 shows the effect of mean rock thermal conductivity on the production temperature and 
pressure. Results show that the production temperature and pressure are insignificantly changed 
by variations in Krock. According to Eq. 15 and 16, the radius of influence increases as Krock 
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increases. According to Eq. 5, since the increase in the denominator (due to increase in Krock) is 
more than the increase in the nominator (due to the increase in ∆r), the total resistance reduces. 
The heat loss increases as Krock increases. Therefore, the production temperature reduces as Krock 
increases. As Krock increases, the fluid temperature reduces and fluid density increases. Therefore, 
the pressure drop increases, and the production pressure reduces.    

As Figure 7 shows, the described trend is clearer at lower mass flow rates (i.e., 50 kg/s). However, 
due to high mass flow rate of this case study (i.e., 200 kg/s), convective heat transfer is more 
dominant than the conductive heat transfer to the formation. Therefore, the rock’s thermal 
conductivity has an insignificant effect on the production temperature.  

 

Figure 6: Profiles of a) production temperature and b) production pressure versus time at different mean rock thermal 
conductivities, Pinj=7413 psia, �̇�𝑚=200 kg/s 

 

Figure 7: Profiles of production temperature at different mean rock thermal conductivities, Pinj=7413 psia, �̇�𝑚=50 kg/s 
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Figure 8 shows the profiles of production pressure and temperature versus time for different inlet 
pressures. We observe that the production pressure reduces over time. The reason is that the fluid 
temperature reduces over time, resulting in an increase in fluid density and the pressure drop.  

 

Figure 8: Profiles of a) production pressure and b) production temperature versus time at different inlet pressures 

Figure 9 compares the production temperature and extracted power between the case with Tsurface, 

inj of 50 oC with the case with lower Tsurface, inj of 13.5 oC. Since the case with lower Tsurface, inj (i.e., 
13.5 oC) has lower inlet temperature respect to the case with Tsurface, inj of 50 oC, the fluid density 
and pressure drop are higher for the case with Tsurface, inj = 13.5 oC. Extracted power is higher for 
the case with lower Tsurface, inj, as there is higher temperature difference between the production and 
injection temperatures.  

 

Figure 9: Profiles of a) production temperature and b) extracted power at the surface from the heat exchange versus time for 
cases with Tsurface = 50 oC and T surface = 13.5 oC, Pinj=7413 psia, K=2.65 w/m.k 
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Case study: Inclined well 

To model temperature and pressure distributions for a well with vertical and horizontal sections, 
an inclined section with a constant angle is assumed to connect the vertical and horizontal sections. 
The end of the inclined section is assumed to have the inlet conditions (Tinj, Pinj). Figure 10 shows 
the schematic of the inclined well model. Table 2 presents the input data for this case. Simulation 
results show that th minimum reservoir pressure to allow fluid flow from the well bore to the 
surface for the inclined well case after 30 years with injection surface temperature (i.e., T surface, inj) 
of 50 oC, is 8702 psia.   

 

Figure 10: Schematic of the inclined well model 
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Table 2: Values of the input parameters for the inclined well case 

Input Parameter Value 

Kcement (w/m.k) 0.55 
KRock, mean (w/m.k) 2.65 
ρrock (kg/m3) 2627.4 

CP,rock (J/kg.k) 850 
Inlet pressure (Pinj ,psia) 8702 

Mass flow rate (kg/s) 200 
Geothermal Gradient (oC/km) 20 

Depth of the vertical section (m) 4650 
Depth of the horizontal section 

(m) 
5500 

T air (oC) 0 
T surface, inj,  (oC) 50 

Length of grid blocks (∆z, m) 5 
Time increments (dt, days) 15 

Time (years) 30 
 

Figure 11  shows the temperature and pressure distribution after 15 days and 30 years as well as 
the extracted power at the surface. The results are very close to the vertical case.  
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Figure 2: Profiles of a) production temperature b) production pressure in the well after 15 days and 30 years and c) extracted 
power at the surface from heat exchange, for the base case with Pinj=8702 psia, k=2.65 w/m.k, inclined well 

Case study: Optimum case, vertical well 

Figure 12 shows the modeling results of the optimized vertical well case. Inlet and production 
temperature are much higher than the base case. Therefore, fluid density and pressure drop are 
much lower than those of the base case. The production pressure after 30 years is much higher 
(393.6 psia) with respect to the base case (15.8 psia) at the same Pinj =7413 psia. Extracted thermal 
power according to the Tsurface, inj =15 oC (i.e., 95.5 MW after 15 days) is higher than the one for 
the base case (i.e., 41.6 MW after 15 days).  
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Figure 3: Profiles of a) production temperature b) production pressure in the well after 15 days and 30 years and c) extracted 
power at the surface from heat exchange, for the optimized case with Pinj=7413 psia, k=2.65 w/m.k, vertical well 

Figure 13 shows the effect of mass flow rate on the temperature profile in the well at 15 days, 
when Pinj=7413 psia and Tinj=110 oC. We observe that as the mass flow rate reduces, there is more 
temperature reduction as the fluid flows to the surface. The reason is that total heat capacity (mCp) 
of the fluid decreases as the mass flow rate decreases. The same energy loss can cause less 
temperature reduction for a fluid with higher total heat capacity.   
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Figure 3: Effect of mass flow rate on temperature profile at 15 days, Tsurface = 13.5 oC, Pinj=7413 psia, Tinj=110 oC 

Conclusions 

• For upward flow direction with heat loss, fluid temperature decreases as it flows to the 
surface.  
 

• As the mass flow rate reduces, production temperature reduces. This is due to the reduction 
in total heat capacity of the fluid and increase in the fluid temperature drop as it flows to 
the surface.  
 

• Over time, heat loss from the well fluid to the formation reduces. As more heat diffuses 
into the rock from the fluid in the well, the rock temperature increases and Krock reduces.  
The radius of influence increases (∆r), due to an increase of these two parameters, leading 
to an increase in total resistance and a reduction in heat transfer (i.e., heat loss) at each 
elevation over time. Therefore, the production temperature has less reduction with respect 
to its inlet temperature over time.  
 

• Over time, the pressure drop in the well increases and the corresponding production 
pressure reduces. The reason is that the average fluid temperature reduces over time and 
the average fluid density increases. Therefore, the hydrostatic and frictional pressure drop 
increase and the production pressure reduces over time.  
 

• The rock’s thermal conductivity and injection pressure have insignificant effects on the 
production temperature, especially at high mass flow rates. As Krock increases, total 
resistance reduces. and the heat loss increases. Therefore, production temperature reduces 
as Krock increases. This trend is clearer at lower mass flow rates (i.e., 50 kg/s) since at high 
mass flow rate (i.e., 200 kg/s), convective heat transfer is more dominant than the 
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conductive heat transfer to the formation. Therefore, the rock’s thermal conductivity has 
insignificant effect on the production temperature.  
 

• Extracted power is higher for the case with lower Tsurface, inj, as there is higher temperature 
difference between the production and injection temperatures. 
 

• For the optimized vertical well case, inlet and production temperatures are much higher 
than those of the base case. Therefore, fluid density and pressure drop are much lower than 
those of the base case. The production pressure after 30 years is much higher (393.6 psia) 
with respect to that of the base case (15.8 psia) at the same Pinj =7413 psia. The extracted 
thermal power, according to Tsurface, inj =15 oC (i.e., 95.5 MW after 15 days), is higher than 
that of the base case (i.e., 41.6 MW after 15 days). 
 

 

Figure 4: Schematic of the 1D numerical model of the recommended geothermal system 
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